
TEL 913 967-2000

ENGINEERS-ARCHITECTS TELEX 42-6263

1500 MEADOW LAKE PARKWAY

MAILING ADDRESS P.O BOX NO 8405

KANSAS CITY MISSOURI 64114

Intermountain Power Project BV Project 9255
Interinountain Generating Station BV File 32.0400
Cost Analysis of N0 Control Technologies 41.1007

June 14 1983

Mr James Anthony Project Manager

_______ Interniountain Power Project
AT Department of Water and Power

JI-1AF General Office Building Room 931
RLN Box 111
JA Los Angeles California 90051
APE

LEJ Attention Mr Nelson Project Engineer
RCB

HJC Gentlemen

____ Enclosed are six preliminary copies of our report Cost Analysis of
HDR

NOx Control Technologies for the rntermountain Power Project These
DW_ copies are being forwarded for your use in your internal and informal

_____ discussions The report will be finalized and bound after we have received
ErF your comments and/or approval If you have any questions concerning the
T8A enclosed report please contact Swenson 9139677426
JAA

DJW1IL Very truly yours
-4TD

jjc BLACK VEATCH

AAG
Roger Dutton

RGH

1M0

PPW Enclosure
PS

LEE cc Mr Lowell Smith KVB w/copy
AWS Mr Henry Nickel w/copy

FILE

OLS

IPI 1_000359



T.VI

JUN 1983

Intermountain Power Project
Intermountain Cenerating Station

Cost Analysis of N0 Control
Technologies for the

Intermountain Power Project

File No 9255.41.1007

Special Report

Issue Date and Revision No
0617830

IPI 1_000360



TABLE OF CONTENTS

1.0 INTRODUCTION
1i

2.0 suMMuy
2I

2.1 SUNMAy OF IMPORTANT INFORMATION 21
3.0 COST ANALYSIS

3i
3.1 SELECTIVE CATALYTIC REDUCTION 31
3.2 OVERFIRE AIR PORTS

3-3
FLUE GAS RECIRCULATION

35
3.4 COMBUSTION AIR TEMPERATURE REDUCTION 36
3.5 THERMAL DeMO

38
3.6 REDUCTION OF THE MAXIMUM PLAN HEAT RELEASE RATE

APPENDIX CRITERIA FOR ECONOMIC EVALUATION

APPENDIX SMPLE CALCULATION TO ILLUSTRATE EFFECT OF FURTHERNO EMISSIONS REDUCTION ON PROJECT COSTS

TC

IPI 1_000361



1.0 INTRODUCTION

Presently the Intermountain Power Project is licensed by the State of
Utah to construct and operate four 750 megawatt net coalf ired electric
generating units near Lynndyl Utah It has been decided to reduce the
station to two 750 megawatt net units The State of Utah Department of
Health will be reviewing the project air quality permits pertinent to
reduction to twounit operation at the Entermountain Generating Station
IGS site

Both the Environmental Project Agency EPA and State of Utah Department
of Health DOH have imposed NO emissions requirements for the four original
IGS units The EPA requires that each unit shall not cause to be discharged
into the atmosphere nitrogen oxides expressed as NO2 at rate exceeding
0.550 pounds per million Btu based on 30day rolling average The DOE
requires that no boiler unit shall discharge to the atmosphere nitrogen
oxides expressed as nitrogen dioxide NO2 at rate exceeding 0.60 pounds

NO2 per million Btu heat input based on 30day rolling average of

successive boiler operating days compliance shall be accomplished by
boiler design and appropriate operating practices

The boiler is guaranteed by the manufacturer Babcock Wilcox to
limit the nitrogen oxides emissions to 0.55 pound per million Btu MBtu
heat input This report evaluates the equipment requirements and differ
ential costs of further NO emissions reductions at the IGS units The
following NO emissions control alternatives are examined as compared to
the present design

Selective Catalytic Reduction

Overf ire Air Ports

Flue Gas Recjrculation

Combustion Air Temperature Reduction

Thermal DeNO Process

Maximum Boiler Plan Heat Release Rate Reduction

11
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2.0 SUMMARY

2.1 SUARY OF IMEORTANT INFORMATION

Table 21 summarizes the equivalent differential capital costs

associated with the implementation of each specific NO emissions

control alternative Consideration is given to implementation

of the NO emissions control alternative prior to commercial

operation and when applicable as retrofit following one year of

commercial operation

The economic criteria which serve as basis for this analysis

are given in Appendix

sample calculation outlining the procedures used for this

analysis is contained in Appendix

21
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TABLE 21 EQUIVALENT DIFFERENTIAL CAPITAL COSTS ASSOCIATED WITH
IMPLEMENTATION OF NITROGEN OXIDES EMISSIONS CONTROL
ALTERNATIVES

Installation

Prior to Commercial Retrofit

Operation Application
million 1986 million 1986

Selective Catalytic Reduction 1694 1255
Overfire Air Ports 587 290

Flue Gas Recirculation 1043 NA
Combustion Air Temperature
Reduction 904 NA

Thermal DeNO Process 226

Maximum Boiler Plan Heat

Release Rate Reduction 930 NA

Not applicable

22
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3.0 COST ANALYSIS

This section evaluates the equivalent differential capital costs

associated with the following alternatives for controlling nitrogen oxides

NO emissions

Selective Catalytic Reduction

Overfire Air Ports

Flue Gas Recirculatjon

Combustion Air Temperature Reduction

Thermal DeNO Process

Maximum Boiler Plan Heat Release Rate Reduction

The equivalent differential capital costs include the capital costs

of modifications capitalized operating costs and replacement power costs

of unit modifications Costs are formulated for all plans based on install

ation of the NO control alternative prior to commercial operation of the

two IGS units For three of the alternatives Selective Catalytic Reduction
Overf ire Air Ports and Thermal DeNO Process retrofit installation is

also considered following one year of commercial operation

3.1 SELECTIVE CATALYTIC REDUCTION

Selective Catalytic Reduction SCR can remove 80 per cent of the NO

from the incoming flue gas stream by chemically reducing NO with ammonia

NH3 to form nitrogen and water The reaction which requires the injection

of ammonia takes place over catalyst beds at temperatures between 480

and 750 To obtain these flue gas temperatures without reheat the SCR

is placed between the economizer section of the boiler and the air heater

Operating the SCR at temperatures below 480 significantly increases

the formation of ammonium bisulfate which is carried in the flue gas stream

to the air heater mmonium bisulfate can severely corrode and plug the

air heater At temperatures above 750 thermal damage to the catalyst

can result bypass around the SCR is necessary to enable generating

unit operation when temperature requirements for operating the SCR cannot

be met

Catalysts used in the SCR generally consist of vanadium or titanium

dioxide compounds Catalyst life is currently projected to be approximately

two years based on pilot plant testing completed on coalfired units

31
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Ammonia for injection into the flue gas stream is stored onsite as

liquid The ammonia is vaporized and diluted with combustion air from the
air heater outlet The diluted ammonia vapor is then injected uniformly
into the flue gas stream The size of the primary air fans must be increased
to supply the additional dilution air flow The size of the induced draft
fans must also be increased to account for the additional pressure drop
through the SCR system Sootbiowers are installed in the SCR to maintain
clean catalyst surfaces To reduce ash erosion and pluggage of the

catalyst screen is installed upstream of the catalyst bed
Even though the majority of SCR equipment is located to the side of

the generating units extensive boiler rnodificatjonsare required for the
flue gas ductwork to and from the SCR system The SCR system draws bo1leri
flue gas downstream of the economizer and returns the treated flue gas

upstream of the air heater

Babcock Wilcox BW began detailed design of the boiler backend

area i.e economizer economizer hopper air heaters etc about

October 1981 The critical schedule path has no float for the Unit com
mercial operation date of July 1986 If decision to implement an SCR

system were made on June 1983 the project schedule for the boiler will

be delayed 18 months It will be assumed that craft labor availability

will not support the simultaneous construction of Units and therefore

Unit will be similarly delayed If an SCR system is retrofitted follow

ing one year of operation unit outage of months is anticipated
Costs associated with the installation of an SCR system at the

Intermountain Generation Station IGS are presented in Tables 31 through
34 Table 31 presents an estimate of the additional capital and operating
costs to implement an SCR system Table 32 presents the equivalent

differential capital costs associated with initial installation of the SCR

alternative Similar data are shown in Tables 33 and 34 for retrofitting
an SCR system following one year of operation As can be seen in Tables

32 and 34 the predicted differential costs for this alternative are

1694 million 1986 dollars and 1255 million 1986 dollars for new and

retrofit application respectively
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CAPITAL AND 0PEATING
JTAA

SELECTIVE CATALYTIC REDUCTION S1i

AIR COMPR DEMAND ENERGY

30 kW-riFAN ENERGY

GWH
ID FAN DEMAND

5700 lN
AIIIONIA VAPORIZATION FUEL

17000 MBTU/YR
AMMONIA

12000 TPY
CATALYST

150 TPY
LABOR SUPPLIES

IPI 1_000367

TA3E

CAPITAL COSTS

Unit

Capita Costa

Million

Unit

Capita Coata

Million

Units

C.1ti

Million

107 .0

7.2
SCR EQUiPMENT 53.5

ELECTRICAL EQUIPMENT

INCREMENTAL ID FANS 2.3 2.3

TOTAL DIRECT COSTS j--7

INDIRECT COSS 14% -5 9.3 j--

TOTAL CAITAL COSTS 13..-2- p--7.7 2-4 3c.4

CAPITALIZED ANNUAL COST
OF OPERATION 9eXD ci

0.1 0.1

1.7 1S.1

3.4 3.3

4.7 4.5

4.8 45.3

273.0 24.0

54.3 52.5

399.0TOTAL

0.2

22.8

G.7

9.2

92.1

537 .0

1O .8

385.8 784.8



TOTAL CAPITAL COSTS 3442.8

CAPITALIZED VALUE OFAJNUAL
CPEPTNG CCSE 239.0 225.2

TOTAL COST FOR

SELECTIVE CATALYTIC REDUCTION 4252.5

________
çys1 Eb4
CAPITAL COST

BASED ON ORIGINAL ESTIMATE 3424.4

ECULJALENT DIFE9ENTIAL
CAPITAL COSTS 0Cb
WITH riuN2 UFT

SELECTIVE CATALYTIC REDUCTION 823.1

DELAY REQUIRED FOR INSTALLATION OF ADDITIONAL EQUIPMENT
FOR SELECTIVE CATALYTIC REDIJCTION IS ESTIMATED TO 19 MONTS
ALL CAPITAL COSTS PRESENTED INCLUDE INDIRECT COSTS 14

ESCALATION 15 CALCULATED TO CENTERO-GRVITY OF THE

ReP L.LOP VR Om IA.SDZ

IPI 1_000368

2715.0 629 .0

2507.0 535.0

67.7

3042.0

67.7

2574.7

135.4

602 377.4

147.8

TABLE CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL CDSTS
ASSCIATED 1ITH PROVISIONS

FORASELECTIVE CATALYTIC PEDLCTI0N
TI.L41O4 Pr

UNIT UNIT UNITS
CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION MILLION 1ILLIcN

CAPITAL CQSTS
SPENT CCLLARS

APITAL COSTS DESCALATED
iO JULY 193 DOLLARS

ADDITIONAL CAPITAL EXPENDITURE
FOR SELECTIVE CATALYTIC REDUCTION
JULY 1983 DOLLARS

TOTAL CAPITAL EXPENDITURE

JIJIY 1983 DOLLARS

ESCALATION ALL REMAINING
CASH EXPENDITURES

ALLOWANCE FOR FLNDS USED

DURING CONSTRUCTION
ON FUNDS ALREADY COMMITTED
ON REMAINING FIJWS

TOTAL CAPITAL COSTS

UNIT 1989$

UNIT JAN 1989$

PRESENT WORTH COSTS

JULY 1986 DOLLARS

772.0 42.9

823

5923.9

.2

266.1
914.3 274.4

4080.8
1024.9

REPLACEMENT PER COSTS

DUE TO DELAY 410.6 410.6

153 .5

702.8

865.7



TABLE .J CAPITAL AND OPERATING

SELECTIVE CATALYTIC REDUCTION i1lr

Unit Urit Jnjt
Cpiti Cot Catal Co5t Capital Co
Million Million Million

CAPITAL COSTS

SCR EQUIPMENT -rSg.p --
ELECTRICAL EQUIPMENT 3.6 3.6 7.2

INCREMENTAL ID FANS

TOTAL DIPECT COSTS 43
INDIRECT COSTS 14/ -s .iO0 .s O.0

TOTAL CAPITAL COSTS -2- irc --- ico

CAPITALIZED ANNUAL COST9
OF OPEP.ATION ....y ie/

AIR COHPR DEMAND ENERGY

30 kN 0.1 0.1 0.2

cIfFAN ENERGY

36 GWH 16.7 16.1 32.8

ID FAN DEMAND
5700 KW 3.4 3.3 6.7

PlP1ONIA VAPORIZATION FUEL

17000 MBTU/YR 4.7 4.5 9.2

Pt1ONIA__L3oaIR 45.2

CATALYST
----r- 150 TPY 273.0 264.0 537.0

LABOR SUPPLIES
54.3 52.5 106.8

TOTAL 399.0 385.8 784.8

.-
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UNIT UNIT UNITS
CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION MILLION MILLIQN

TA9LE CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL COSTS
ASSCCIATEO WITH PROVISIONS FORELECTIVE CATALYTIC RDUCTIN
AS RETROFIT APPLICATIJN

CAPITAL EXPENDITURE FOR
SELECTIV CATALYTIC REDUCTION

JULY 1983 DOLLARS

ESCALATION

ALLOWANCE FOR FUNDS USED
DURING CONSTRUCTION

-- TOTAL CAPITAL COSTS

CT

3-fttLrnLu m4--
118 .O

PRESENT WORTH COSTS

JULY 1986 DOLLARS

CAPITAL COSTS FOR

SELECTIVE CATALYTIC REDUCTION
tcr

cAPITALIZED VALUE OF1iN1UAL
OPERATING COSTS

REPLACEMENT POWER COSTS

DUE TO INSTALLATION OUTAGE

-s 4--O /O

30.6 39.9

6.5 7.1

128.3

100.1 96.8 196.9

399.0 385.8 784.8

136.9 136.9 273.2

619.5 1255

ESCALATION IS CALCULATED TO THE CENTERCFGRAVITY OF THE
PROJECT CASH FLONJ UMIT TO .s.M i9e 90e

1I cap-t-.\ co4- ciu.e IflL P4 a4- pe

Ot t%ZQ oQfl
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EQUIVALENT DIFFERENTIAL CAPITAL
COSTS ASSOCIATED WITH PROVISIONS
FOR SELECTIVE CATALYTIC REDUCTION

636.0



Capitalized annual costs of operation shown in Tables 31 and 33 are

calculated based on the consumable usage rate below each item and the

economic criteria contained in Appendix Operating costs reflect differ
ential costs for 20 years of operation incurred as function of the pro
cess requirements Projection of differential operating costs beyond

20 years are not used in this study The project delay costs of Table 32
include escalation interest during construction and costs for replacement

power It is assumed that the centerofgravity of the project cash flow

shifts by onehalf of the delay for the respective unit when the SCR

equipment is installed prior to commercial operation Further details of

cost calculation methodology are presented in the sample calculations of

Appendix Cost data for the remaining NO emissions control alternatives

are presented in similar manner

The 1986 replacement power cost is the difference between the higher

cost of fuels which must be fired at other facilities when the IGS units

are either delayed or not operating and the cost of coal delivered to the

IGS Based on project economic criteria this 1986 differential fuel cost

is 48.22 mills/kWh Multiplying the differential fuel cost by the average

firstyear load while operating of 706000 kW per unit results in

differential fuel cost of $817000 1986 dollars per day This cost is

sensitive to the higher cost of fuel used at other facilities and to the

IGS delivered coal cost Current Indications are that the coal cost used

as the basis for economic analysis may be high If this is the case and

if projected costs of fuel at other facilities remain unchanged the

differential fuel cost in 1986 could exceed $817000 per day Other

charges for replacement energy such as operating and maintenance costs

are not included This study has assumed relatively conservative

replacement power cost of $750000 1986 dollars per day which is

lower limit value

3.2 OVERFIRE AIR PORTS

The installation of overfire air OFA ports effectively reduces

the concentration of oxygen in the highest temperature regions of the

furnace thus impeding NO formation Some provisions for future install

ation of OFA ports are factored into the current boiler design Hence
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balanceofplant costs i.e costs for structural steel platforms

and heating and ventilating ductwork and piping rerouting are minor

$500000 for Unit and $200000 for Unit However boiler system

modifications impact many areas including the following

12 OFA port inserts

48 revised burner openings and registers

Windbox

Ductwork

Extended lance wall blowers

Truss/buckstays

Wall attachments

Feeder ductsfoils/dampers

Platforms

Refractories insulation and lagging

Boiler ties

Controls

To maintain required burner velocities for optimum flame shape

stabilization the 48 burner throats and burner registers will be reduced

in size

There are nine wall blowers located on both the front and rear

walls which will require extended lances Access to these blowers is

currently from the top of the windbox Access platforms will be required

across the width of the unit for maintenance

Feeder ducts to the NO port plenum will be required Feeder ducts

will include all associated dampers damper drives and air foils Air

foils will also be added to the existing windbox inlets Trusses will be

required at the top of the NO port plenum on both walls possibly affecting

current boiler tie locations

Carbon monoxide CO emissions are expected to increase when using

overfire air The predicted costs for additional fuel required to replace

the heat lost by the increased CO emissions are listed in Table 35 Carbon

levels in the fly ash are not expected to increase with overfire air

operation

From schedule standpoint it is advantageous to add 12 OFA NO

ports in the field rather than delaying boiler panel fabrication Nonetheless
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TABLE 3- -QfCAPETAL AN 0PERATIN COSTSi As$Dc.IAnO iD4ERr IRE AIR PORtS

Uniti Uit2 Unitsl2
Capiti Costs Cajtal Cots Cpita1 Cct--

CAPITAL COSTS

BOILER SYSTEMS 6.4 3.2 -____BALANCE OF PLANT 0.5 0.2

TOTAL DIRECT COSTS a4 1oINDIRECT COSTS 14/ L- D5 .r jç
F-

TOTAL CAPITAL COSTS 3.rO 7.9 .as

CAPITALIZED ANNUAL COSTS
OF OPERATION

U9LJRNED COMBUSTIBLES
1440 TO1fl7T OF FUEL 1.1 1.1 2.2

TOTAL 1.1 1.1 2.2

cH

IPI 1_000373



if the OFA equipment is installed prior to commercial operation the delay

in the Unit construction schedule is anticipated to be 14 months extend

ing the commercial operation date from July 1986 to September 1987 Unit

which is scheduled to begin commercial operation in July 1987 will be

similarly delayed due to possible limitations of onsite construction

personnel If overfire air ports are installed as retrofit after one

year of commercial operation the outage time for installation of the

system is expected to be months

Costs for the installation of overfire air equipment are presented in

Tables 35 through 3-8 As can be seen in Tables 36 and 38 the pre
dicted costs for this alternative are 587 million 1986 dollars and 290

million 1986 dollars for new and retrofit application respectively

3.3 FLUE GAS RECIRCULATION

In this alternative approximately 15 per cent of the boiler flue gas

flow is extracted at the economizer hopper and recirculated back to the

hot secondary air system at the air foils after passing through

mechanical dust collector and flue gas recirculation FGR fans Costs

for this alternative are summarized in Tables 39 and 310 The following

are anticipated boiler system modifications needed to implement flue gas

recirculation system

Installation of two flue gas recirculation fans motors turning

gears and dust collectors

Economizer hopper redesign

Ductwork modifications

Convection pass redesign

Additional refractory insulation and lagging

Boiler ties relocations

Additional boiler controls

Because of the lack of design provisions for this alternative

balanceofplant modifications are extensive The new ductwork will inter

fere with the major loadbearing structures in the boiler building

requiring redesign of the structural steel Heating and ventilating duct

work and piping will be rerouted some equipment will be repositioned arid

additional mechanical and electrical equipment will be required Balance

ofplant impacts will be reduced for Unit alterations
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ADDITIONAL CAPITAL EXPENDITURE
FOR OVERFIRE AIR PORTS
JULY 1983 DOLLARS

TOTAL CAPITAL EXPENDITURE
JULY 1983 DOLLARS

Jm.t. Ov.cR PiiQ çbR

ESCALATION ALL REMAINING
CASH EXPENDITURES

ALLOWANCE FOR FUNDS USED
DURING CONSTRUCTION

ON FUNDS ALREADY COMMITTED
ON REMAINING FUNDSr9

TOTAL CAPITAL COSTS
UNIT JMi987s
UNIT A41988

PRESENT WORTH COSTS
JULY 1986 DOLLARS

TOTAL cAPITAL COSTS

CtC1-
CAPITALIZED LUE 0FA4UALOPERTjNG COSTS

REPLACENE POWER COSTS
DUE TO DELAY 39

TOTAL COST FOR
OVERFIRE AIR PORTS 3699.8

______rIFU QJ CAPITAL COST
BASED ON ORIGINAL ESTIMATE 3424.4

EQUIVALENT DIFFER9TIAL
CAPITAL COSTS CITC
WITH
OVERFIRE AIR PORTS

IPI 1_000375

TABLE CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL COSTSASSOCIATED WITH PROVISIONS FOR OVERFIRE AIR POP.TS

UNIT UNIT UNITS
CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION
-------

ACAFITAL COSTS
AS SPENT DOLLARS

ACAPITAL COSTS DESCALATED
TO JULY 1983 DOLLARS

2715.0 629.0

2507.0 535.0

7.9 3.9

2514.9 538.9

284.6 123.3

241.4

816.1 225.2

887.4

3379.3 694.2

1.1 1.1 2.2

.0

3042.0

11.8

3053.8

4073.5

.-

Cl

3857.0

C-

638.8

1014.7 4714.5

702.8 4127.2

273..$-4 311.9

DELAY REQUIRED FOP INSTALLATION OF ADDITIONAL EQUIPMENTFOR OVERFIRE AIR PORTS IS ESTIMATED TO BE 14 MONTHSALL CAPITAL COSTS PRESENTED INCLUDE INDIRECT COSTS P4-

pQr C6-k ESCALATION IS CALCULATED TO CENTEROF-GRAVITY OF THEPROJECT CASE FLOW FOR EACH UNIT

r0.0

85 Fci 9Sr 9-



TABLE 3- frEA44QIIL.4 CAPITAL AND OPERATING tfk.eOROZ1
OVEPFIRE AIR PORTS

IPI 1_000376

Unit Unit Units
Capital Costs Capital Costs Capita Casts

J_.4t 3O\\eb Million Million MillionCAPITAL COSTS

BOILER SYSTEMS 6.4 3.2 9.6BALANCE OF PLANT 0.5 0.2 0.7

TOTAL DIRECT COSTS .cS .9 .934
INO1RECT COSTS 14%

j.et PO.S .1-i-p .S

TOTAL CAPITAL COSTS r4 a9
1.w.5 IS

CAPITALIZED PJtIUAL COSTS
OF OPERATiON 4ui 9CCo4o

UNBURNED COMBUSTI BLES
1440 qt1tmg OF FUEL 1.1 1.1 2.2

TOTAL 1.1 1.1 2.2

C-
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TABLE 3- CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL COSTSASSOCIATED WITH PROVISIONS FOR OVERFIP.E AIR PORTSAS RETROFIT APPLIcATION P\\a OF

UNIT UNIT 1I.41T3
CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION MILLION MILLION

çAPITAL EPENDITURE FORrROT
OVERFIRE AIR PORTSX
JULY 1983 DOLLARS -T.9 a-4-3

in---- ji

ESCALATION 3.0 1.9

ALLOWANCE FOR FUNDS USED
DURING CONSTRUCTION 0.6 0.3

TOTAL CAPITAL COSTSalTi
I9e

6.1

PRESENT WORTH COSTS

JULY 1986 DOLLARS

CAPITAL COSTS FOR
OVERFIRE AIR PORTS 97 4.6 14.3

CAPITALIZED VALUE
OFAAtISIUAL

OPERATING COSTS 1.1 1.1 2.2

REPLACEr1rr POWER COSTS
DUE TO INSTALLATION OUTAGE 136.9 136.9 273.0

EQUIVALErr DIFFEREN-rIAL CAPITAL
COSTS ASSOCIATED WITH PROVISIONS
FOR OVEP.FIRE AIR PORTS

147.g 142.6 29O..f3

ESCALATION IS CALCULATED TO ThE ERQF-GvIy OF THEPROJECT cASH FLCW
L4i1 U.j ix

idle co

Orr
Qytt op-Q-ro...



Predicted capitalized costs of operation are shown in Table 39
Energy and demand costs are associated with the new power requirements of
the FGR fans and increased power requirements of the induced draft ID
fans Increased ID fan power is required to overcome the increased head
loss in the convective passes due to the 15 per cent flue gas flow increase

Flue gas recirculation fans have been notably unreliable Many

existing units have removed their recirculating fan systems

Tenyear average NERC data indicate approximately hours of downtime

per unityear attributable to recirculating fans This downtime appears

low possibly due to normalization with data from units without recir
culating fans and because operation of existing FGR units is typically

intermittent for steam temperature control Replacement power costs for

recirculating fan downtime are listed in Table 39 based on hours of

unit outage time per recirculating fan per year
Increased flue gas flow will accelerate the erosion of convection

pass tubes Replacement power costs in Table 39 are based on full

forced outage rate of 10 hours per year or about per cent of the lOyear

average NERC downtime associated with superheater reheater and economizer

tube failures

The Unit delay for FGR installation is estimated to be years

delaying the Unit commercial operation date from July 1986 to July 1988

Unit scheduled for July 1987 startup is also assumed to be delayed

two years to July 1989 Equivalent differential capital costs in Table 310
due to the project delay and additional capital expenditures are calculated

in the manner described previously The total additional capitalized

cost for installation of flue gas recirculation system are predicted

to be lOc2 million 1986 dollars

3.4 COMBUSTION AIR TEMPERATURE REDUCTION

This alternative requires the reduction of combustion air temperatures

at the Intermountain Generating Station by removing air heater surface

area According to Babcock Wilcox the minimum recommended combustion

air temperature for coal firing is 500 at full load noting that poor

flame stability increased stack opacity and increased use of oil during

startup could result Currently at maximum continuous rating hot

secondary air temperatures are 645 and hot primary air temperatures are

420

3b
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TAELE 3-e- CAPITAL ANO OPERAT
FLUE GS RECIRCLIL.ATION

ING COSTS cci9flO ..r Thçs44

Unit

Capital Costs

Million

Unit

Capital Costs

Million
CAPITAL COSTS 9S3

BOILER SYSTEMS
BALANCE OF PLANT

TOTAL DIRECT COSTS

INDIRECT COSTS 14%

TOTAL CAPITAL COSTS

Unite

Capital Costs

Million

8.3 8.3 16.6
4.8 2.4 7.2

C-

1-4-9 11
.2-ri .S

J.2-r8 14.9

2.2r2 0-7 2--1 23.b
a.e 3.3

tsIZ.Z

CAPITALIZED ANNUAL- COSTS
OF OPERATION i9e u.oLC

FGP FAN ENERGY

.Z- .O -4 Z.2-
FC-R FAN 4C7GYlMlD

2e-e.4t%OOc.%jJ 1.3 1.3 2.6
ID FAN ENERGY

1.6

S4OX 0.3 0.3 0.6

TOTAL 9.24

CAPITALIZED REPLACEMENT POER COSTS 48
OF OPERATION

FOP FAN FAILURE
HP/YR/FAN 2.2 2.2 4.4

CONVECTIVE PASS DESIGN

10 HR/YR 3.5 7.0

TOTAL 5.7 5.7 11.4



ADDITIONAL CAPITAL EXPENDITURE
FOR FLUE GAS RECIRCULATION
JULY 1983 DOLLARS

TOTAL COST FOP
FLUE GAS RCIRCULAT

CAPITAL COST
BASED ON ORIGINAL ESTIMATE

UNITS

CAPITAL COSTS

MILLION

IPI 1_000380

TABLE 310 CALCULATION OF EOUIVALEJT DIFFERENTIAL CAPITAL COSTS
ASSOCIATED WITH PROVISIONS FORkFLUE GAS RECICULATION

i.zsiti.io.j

UNIT UNIT
CAPITAL COSTS CAPITAL COSTS

MILLION M1LLION

CAPITAL COSTS
SPENT DOLLARS 2215.0 628.0 3343.0

\cAPITAL COSTS DEScALATED
ro JULY 1983 DOLLARs 2507.0 535.0 3042.0

14.9 12.2 27.1

_____ JOTcL CAITAL EXPENDITURE
rCJULY 1983 DOLLARS 2521 547 2069L. E4T1b4

ESCALATION ALL REMAINING
CASH EXPENDITURES 366 147

ALLOWANCE FOR FUNDS USED
DURING CONSTRUCTION

ON FUNDS ALREADY COMMITTED 304.9
ON REMAINING FUNDS 1007.8 281.5

.J4-I

TOTAL CAPITAL COSTS
UNIT .JAW1983$ 4201.5
UNIT AN 1989$ 9761.1

LI
PRESENT WORTH COSTS
JULY 1986 DOLLARS

TOTAL CAPITAL COSTS 3349 695 4044
tj ççcp.ipflt-i CAPITALIZED VALUE OF AI1ILJAL

OPERATING COSTS 4%4 9.\

CAPITALIZED LUE OF lAUAL
REPLACEMEN-r COSTS

11

REPLACEMENT POWER cosTs
DUE TO DELAY 547.5 547.5 1095.0

io9.4
3912..yO 1257

3424.4 702.8 4127.2

4el4L

EQUIVALEN-r DIFFERENTIAL
CAPITAL COSTS AOC
WITH
FLUE GAS RECIRCULATION

DELAY RECUrRED FOR INSTALLATIJJN OF ADDITIONAL EOIJIPMENTOS GAS RECIRCLLATI IS ESTIMATED TO BE 24 MONTHSALL CAPITAL COSTS PRESENTED INCLUDE INDIRECT COSTS-k ESCALATr IS CALCULAT CENTEOFGPAVITY OF THE
PRO.JE-T CASH FLOW FOP EACH UNIT

cR0 1f JOL
\UL G..sk \J



Reducing the heat transfer in the air heater to attain combined 500

combustion air temperature will result in boiler efficiency penalty of

approximately per cent and increased air heater outlet flue gas temper
atures from 280 to approximately 390 The decreased boiler efficiency

requires an increased fuel burn rate at all loads Hence fuel related

systems e.g fuel handling crushers mills etc energy and demand costs

Increase Additionally the increased flue gas flow rate due to reduced

boiler efficiency and increased air heater outlet flue gas temperature

significantly affect the air quality control system AQCS and induced

draft fan design and performance The following AQCS requirement will

require modifications to accommodate increased flue gas flows and

temperatures

Flue gas desulfurization equipment

Fabric filter equipment

ID fans and ductwork

AQCS building

Additive preparation equipment

Reheat coils

Waste handling equipment

AQCS control systems

The incremental capital costs listed in Table 311 are not for

modifications to contracted equipment but are the difference in cost

between new larger equipment and the equipment currently purchased

Therefore capital costs in Table 3il should be considered low

Capitalized operating costs in Table 3li other than increased fuet

costs are on the same basis as the above capital costs i.e only those

costs associated with upgrading the AQCS and ID fans are included There

are other costs e.g costs for increased unburned combustibles energy

and demand costs for coal handling equipment etc which have not been

calculated Hence operating costs in Table 3il should be considered

low

It is assumed that the steam side of the boiler system cannot be

redesigned to maintain efficiency
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TABLE AND OPZA l4Seu4T
MSUSTION AER TEMPERATURE .DtJCTION i97r

Unit Unit Units
Capital Costs Capital Costs Capital Costs

Million Million MillioncAPITAL COSTS .S83
INCREMENTAL FGD EQUIPMENT 1.0 15.0

TOTAL DIRECT COSTS
INDIRECT COSTS 14/

TOTAL CAPITAL COSTS

CAPITALIZED AUP.L COSTS
OF OPERATION %aoUtc

ADDITIONAL FUEL COSTS
BOILER EFFICIENcy LOSS

AQCS ENERGYC-H rf4WA
AQCS DEMANDQe- Z100KA
OTHER AOCS P1

TOTAL

Tn-

-V

cH

IC

P1 5.O
.r4

51.0

_.9-

3.8

CQ4

k71
..24 2.\

-5 i7

50.0

30.0

30.0
-e 4.t

342

101.0

4.9

13.6

127.0

i4iTh tOI4O

C.



The estimated Unit delay for initial implementation of the reduced

combustion air temperature alternative is 18 months delaying commercial

operation from July 1986 to January 1988 Unit scheduled for commercial

operation in July 1987 is assumed to be equally delayed Equivalent

differential capital costs associated with the 18month delay and additional

capital expenditures of Unit and Unit are listed in Table 312 The

equivalent differential capital cost to reduce combustion air temperatures

to 500 is estimated to be $904 million 1986 dollars

3.5 THERMAL DeNO

Exxon Research and Engineering Company has recently patented

process for NO removal from flue gas by the injection of ammonia into

the boiler Installation of the system in terms of space limitations
is feasible as the majority of equipment will be located away from the

boiler Distribution of the ammonia stream will be carried out by

series of pipes running along boiler sidewalls The thermal DeNO system

consists of the following equipment

Ammonia storage tanks

Ammonia vaporizers

Air compressors

Automatic control system

Ammonia injectors

Piping insulation and foundations

Construction of the Thermal DeNO system should not delay the

commercial operation of Units and by more than months If the DeNO

system were retrofitted following one year of operation the outage
periodsshould not exceed weeks f1

Costs for the installation of thermal DeNO equipment are listed in

Table 313 through 316 As can be seen in Tables 314 and 316 the

predicted differential costs for this alternative are 226 million 1986

dollars and 87 million 1986 dollars for new and retrofit application

respectively These costs do not reflect any potential costs associated

with additional unit unavailability or maintenance and could be subject

to significant increases These potential costs cannot be projected

based upon current information for this relatively new process
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REPLACEMENT POWER COSTS
DUE TO DELAY

IPI 1_000384

TASLE 312 CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL
ASSOCIATED WITH PROVISIONS FO....COMBUST

UNIT

CAPITAL COSTS

MILLION

2715 .0

2507.0

-..

ADDjTIOtL CAPITAL EXPENDITURE
FOR COMBUSTION AIR TEMPERATURE REDUCTION
JULY 1983 DOLLARS 17.1

UNITS

CAPITL CoSrs

MILLION

S43 .0

3042.0

34.2

TOTAL CAPITAL EXPENDITURE

@ULY 1983 DOLLARS

tTogqj
ESCALATION ALL REMAINING
CASH EXPENDITURES

ALLOWANCE FOR FUNDS USED
DURING CONSTRUCTION

ON FUNDS ALREADY COMMITTED
ON P.EMAINING.FU.IDS

552.1

1\CAPITAL CDSTS
AS SPENT DOLLARS

hCAPITAL COSTS DESCALATED
TO JULY 1983 DOLLARS

cH

TOTAL CAPITAL COSTS
UNIT JAN 1988$

UNIT2JANt9BS$

PRESENT WORTH COSTS
JULY 1986 DOLLARS

UNIT

CAPITAL COSTS

MILLION

628.0

535 .0

17.1

3076.2

251 .4

707.2 4083.0

2524.1

319.1

266.1

893.1

4001.2

135.4

C-

TOTAL CAPITAL COST 3375.8

CAPITALIZED VALUE OFAANNUAL
OPERATING COSTS 42 62.8

410.6 410.6

TOTAL COST FOP

COMBUSTION AIR TEMPERATURE REDUCTION 38O.g7

CAPITAL COST
EASED ON ORIGINAL ESTIMATE 3424.4 702.8

113 .6

127.0

21

427.2

EQUIVALENT DIFFERENTIAL
CAPITAL COSTS-ee.
WITH
COMBUSTION AIR TEMPERATURE REDUCTION

532 2.Z

42G.3
12..r9It 477.8

DELAY REQIJIR FOP INSTALLATIO.J OF ADDITI EOUIPMnFOR COMSJSTIQN AIR TEMPEP.ATURE P.ECL2T3N IS ESTIMAr TO SEALL CAPITAL COSTS PPEBENTED INCLUDE INDIP.ET C0STS4 CAESCLAT IS CALCULATEDTIJ_CENTjQFQP1 OF THEPROJECT CASH FLOW FOP EA UNIT Lf 9e



CAPITAL COSTS

THEJ1L DENOX EQUPMT
LISCENSING

TOTAL DIPECT COSTS 2..r1-D
INDIRECT COSTS 14% .2. 1.S

TOTAL CAP TAL COSTS -7

43.8

IPI 1_000385

TASLE 3-
oc

CAPITAL AND OPERATING COSTS ocro jsrLi
THERMAL

Unit

Capital Costs

Million

4.5

2.1

Unit

Capital Costs

Million

4.5

2.1

Unit5

Capital Costs

Million

9.0

4.2

CAPITALIZ ANNUAL COSTS
OF OPERATICN ..u4_f l%o a\ar

AMMCNI
3600 TPY

rI

13.2

4500 MSTUTYR

12.8

1.3

2.O

7TAL 22.

1.4 1.4 2.8



0cr
CAPITAL COSTSk

AS SPENT DOLLARS

1\PLTAL COSTS DESCALATED
JULY 1933 DOLLARS

ADDITIONAL CAPITAL EXPENDITURE
FOR THERMAL DENOX
JULY 1983 DOLLARS

JOTAL CAPITAL EXPENDITURE

JULY 1983 DOLLARS

____ L4

ESCALATION ALL REMAINING
CASH EXPENDITURES

ALLOWANCE FOR FUNDS USED

DURING CONSTRUCTION
ON FUNDS ALREADY COMMITTED
ON REMAINING FUNDS

TOTAL CAPITAL COSTS

UNIT 1986$

UNIT

PRESENT WORTH COSTS
JULY 1986 DOLLARS

TOTAL CAPITAL COST

CAPITALIZED VALUE OFAPUALOPERATING COSTS

REPLACEMENT POWER COSTS
DUE TO DELAY

TOTAL COST FOR

THERMAL DENOX REJCrxoP 3531.9
tnoT Dcso.4

CAPITAL COST

BASED UN ORIGINAL ESTIMATE

TABLE 314 CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL COSTS
ASSOCIATED WITH PROViSIONS FORHERMAL

UNIT UNIT UNITS
CAPITAL COSTS CAPITAL COSTS CAPITAL CCTS

MILLION MILLION MiLLION

2715.0 623.0

2507.0 535.0

7.5

2514.5 542.5

206.1 102.3

183.6
645.9 179.5

3550 .1

824.3

3418.5 708.7

22.1

91.3 91.3

2042.0

7.5 15.0

3057.0

4127.2

43.8

182.5

821 4353.5

4127.2

22

ci

CI

3424.4 702.8

ELIVALENT DIFFERENTIAL
CAPiTAL COSTS A4
WITH rr.0 FO

-r

THERMAL DENOX REDUCTIOr 107.5 118.2

DELAY REULIIRED FOR INSTALLATION ADDITIONAL EOUIPMENT
FOR THERMAL DENOX IS ESTIMATED TO BE MONTHS
ALL CAPITAL COSTS PRESENTED INCLUDE INDIRECT COSTSa Ct
ESCALATION IS CALCULATED3O CENTEROF-GRAVITY OF THE
ROJECT CASH FLOW FOR 9S3

S-PTcv\ 9S4

I-
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THEPIAL DENOX EQUIPMIT
LISCENSING

CAPITALIZED ANNUAL COSTS
0c OPERAT ON .-c IVo datS

IPI 1_000387

TOTAL DIRECT COSTS

INDIRECT COSTS 14/

TASLE 3-1 AND OPERATING COSTS5 QC.I4fl FT-l
THEJ1AL

Urit Unit Unite

Capital Costs Capital Costs Capital Costs

uI-t Million Million Million
CAPITAL COSTS 983$

10
2.1 2.2 4.2

J.4 i.c
-r 2T

TOTAL CAPITAL COSTS 1z..- 7j

AMMONI

3600 TPY 13.2

1.3

12.8

MBTLJ/YR

TOTAL

26.0

22.1

1.4 1.4 2.e

43.B

I-
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te

TA2LE 3C CALCULATIONI OF EOJIVALENT.DIFFERENTIAL CAPITAL COSTS

ASSOCIATED WITH PRJISIONS FORHERMAL
AS RETROFIT APPLICATION

UNIT UNIT UNITS

CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION MILLION MILLION

ACAPITAL EXPENDITURE FOR CTQDP
THERMAL DENOX 2O R1DJCTWN
JULY 1983 DOLLARS 7-.-5 S.o 2.S-nD ItZ

I-NI-arCI 1dt

ESCALATION 3.2 4.2

ALLOWANCE FOR FUNDS USED

DURING CONSTRUCTION 0.1 0.1

TOTAL CAPITAL COSTS
.EefNrrErit oeec-- Oi.r .uiJI i98

CDP4ZtRUCTIh1t1 flL1ARSj.çZ.-n4 i957 11.29 12.89

PRESENT WORTH COSTS

LJULY 1986 DOLLARS

CAPITAL COSTS FOR

THERMAL DENOX utcuuLIICN 10 10.2 20.7

CAPITALIZED VALUE OFAM4UAL
OPERATING COSTS 22.1 21 43.6

REPLACEr-ENT PONIES COSTS
DUE TO INSTALLATION OUTAGE 11.4 11.4 22.8

EQUIVALENT DIFFERENTIAL CAPITAL
COSTS ASSOCIATED WITH PROVISIONS
FOR THERMAL DENOX 30K RCtUCTIOP4t

44.0 43.1 87.1

CALCULPTION IS BASED UPON UNIT CONSTRUCTION PfOF
HNTT flUTflG TIMC -5 MffHS

ESCALATION IS CALCULATED TO THE CENTEROFGRAVITY OF TH
PROJECT CASH FLOWj4av Eiot Qn issunit it 4ct 9G o-I9 pot on

P\ C9tA Costs çrcSeM-t
cec4 coss Cs4 IA

tCctjLfloP.a BsD U-ac% OflrQc T.ttktE oit

luJO uas- PocLO1b oaG fl-tn 01 oPaA-no.e
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3.6 MAXIMUM BOILER PLAN HEAT RELEASE RATE REDUCTION

Nitrogen oxides emissions are reduced with this alternative by

lowering the maximum plan heat release rate NBtu/hrft2 at which the

boiler can operate To maintain proper steam flow the boiler plan cross
sectional area can be altered only by total redesign of the boiler and

surrounding structures which will result in excessive project delay and

expense However the heat release rate can be lowered by decreasing

the boiler heat input and thus maximum load capability

According to Babcock Wilcox for unit operation at 75 per cent load
the NO output is predicted to be 0.38 lb/MBtu pound NO per million Btu
as compared to 0.55 lb/NBtu for operation at the maximum continuous rating

curve depicting the Babcock Wilcox expected NO emissions as function

of load is presented on Figure 31 Expected NO emissions as function

of heat input per plan area are tabulated below

Heat Input per Expected N0
Load Plant Area Emissions

per cent MBtu/hrft2 lb/MBtu

NCR 1.60 0.55

100 1.48 0.53

75 1.10 0.38

Costs associated with this alternative are calculated by determining

the total number of megawatthours which must be replaced by other sources

based upon the projected load curve For example the capitalized operating

cost for limiting the heat input per plan area to 1.1 MBtu/hr-ft2 75 per

cent load is $465 million 1986 dollars per unit for reduction in NO

emissions of 0.17 lb/MBtu As listed in Table 317 the predicted

differential captial cost for this alternative is 930 million 1986 dollars

for the two unit station
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TABLE 3a CALCULATION OF EQUIVALENT DIFFERENTIAL CAPITAL cos-r
ASSOCIATED WITH PROVISIONS FOR

REDUCINAXIMUM
HEAT INPLT.Q 6u

UNIT UNIT UNITS
CAPITAL COSTS CAPITAL COSTS CAPITAL COSTS

MILLION MILLION MILLION

COSTSi
AS SPENT DOLLARS

\CAPITAL COSTS DESCALATED
TO JULY 2.983 DOLLARS

ADDITIONAL CAPITAL EXPENDITURE
FOR REDUCING MAXIMUM HEAT INPUT
JULY 1983 DOLLARS

TOTAL CAPITAL EXPENDITURE
JULY 1983 DOLLARS

ESCALATION /ALL REMAINING

______ CASH EXPENDITURES

ALLOWANCE FOPS FINDS USED
DURING CONSTRUCTION

ON FUNDS ALREADY COIED
ON REMAINING FUNDS

TOTAL CAPITAL COSTS
UNIT 19863

UNIT diil19873

PRESENT WORTH COSTS
JULY 1986 DOLLARS

TOTAL CAPITAL COSTS

2715.0 629.0 3343.0

2507.0 535.0 3042.0

0.0 0.0 0.0

2507.0 535.0 3042.0

174.9 92.5

159.6

787.1

702.8 4127.2

465.0

2.62.0

580 .5

3424.4

3424.4

CAPITALIZED VALUE OFAUAL
REPLACEMENT COSTS .465.0 930.0

-. ..
---

TOTAL COST FOR
REDUCING MAXIMUN HEAT INPuT 3889.4 1167.8 5057.2--
sug.-et CAPITAL COST
BASED ON ORIGINAL ESTIMATE 3424.4 702.8 4127.2

I-

EQUIVALENT DIFFERENTIAL
CAPITAL COSTS ASSOCIATED
WITH PROVISIONS FOR
REDUCING MAXIMUM HEAT INPUT 465.0 465.0 930.0

DLAV UUR Fft- iP4TALLaTI ADDITLOL tOJTINT
F-Oft C4MCA-ML WEAl INPUT- IC -E-TMATTQ MOHTk-

9-ALL CAPITAL COSTS PRESENTED INCLUDE INDIRECT COSTSt IA ctESCALATION IS CALCULATED TO EROF-GRAVITY OF THE
PROJECT CASH FLOW FOR EAC IT t9P

Cety



APPENDIX

CRITERIA FOR ECONOMIC EVALUATION

The Intermountain Generating Station Units and Is being developed

by the Intermountain Power Agency The cities of Anaheim Burbank
Glendale Los Angeles Pasadena and Riverside in southern California Utah
Power and Light and Intertnountain Consumers Power Association ICPA have
contracted to purchase the power produced by the station This report uses
the following economic criteria

Evaluation Period

The evaluation period for each unit will be 35 years

Unit Evaluation Period

July 1986 to June 30 2021

July 1987 to June 30 2022

Operating costs for this study will be capitalized over 20 years

Present Worth Discount Rate and Present Worth Factors

The present worth concept is method of taking into account the time
value-of money Using an interest rate also called the present worth
discount rate present worth factors are developed which can be used to
convert future expenditures to an equivalent single value at one point
in time

For investorowned utilities the present worth discount rate is considered
to be their weighted average cost of capital considering both the cost
of debt capital bonds and the cost of equity capital preferred stock
common stock and retained earnings For publiclyowned utilities which

usually have 100 per cent bond financing the present worth discount rate
is considered to be equal to the estimated bond Interest rate

The factors most commonly used in present worth arithmetic are the
Single Payment Present Worth Factor the UnIform Series Present Worth
Factor and the Capital Recovery Factor as shown in the following tabula-
tion and discussed in the following paragraphs

Functional Forumual Used to

Factor Abbrev Symbol Calculate Factor

Single Payment PWF P/F
Present Worth

Factor

Uniform Series USPWF P/A
Present Worth PWF or l4
Factor

Capital Recovery CRF AlP or
Factor uswr

i1

IPP-05l883
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The functional symbols are those used in the textbook Principles of
Engineering Economy by Grant Ireson and Leavenworth They are based on
the following

irnterest rate per period
nNumber of interest periods
PPresent sum of money
FFuture sum of money equivalent to

AEndofyear payment in uniform series with entire series

equivalent to

Single Payment Present Worth Factor PWF To determine the present worth
of future single expenditure multiply the future expenditure by PWF
For example the present worth of $1000 spent three years after the begin
ning of the study period with an Interest rate or present worth discount
rate of 12 per cent would be calculated as follows

PWP .71l8
1-1- l.12

Present Worth $1000 .7118 $711.80

Uniform Series Present Worth Factor USPW To determine the present
worth of uniform series of payments multiply the payment by USPWF
For example find the present worth of series of annual payments each
equal to $500 with the first payment occurring one year after the beginning
of the study period Assume present worth discount rate of 12

iJsPwF 1.12 3.6048

.12

Present worth $500 3.6048 $1802.40

Capital Recovery Factor CRF Given present sum of money to find the
constant amount payable at the end of each year such that the present
worth of the uniform series is equal to the present sum multiply the
present sum by CRF For example If the present sum is $2000 find the
equal annual payment to be paid for years that will have an equivalent
present worth to $2000 Assume present worth discount rate of 12 per
cent

RF .12 .27741

T5 l.l2

Equal annual payment $2000 .27741 $554.82

IPP05 1883
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Tables listing these factors for many combinations of interest rates
and numbers of interest periods can be found in most economic textbooks

The present worth discount rate for the Interlnountain Generating Station
is 12.0 per cent applied to oneyear periods with July 1986 to June
30 1987 being the first year The compound interest factors for 12.0 percent are listed on Table 41.01001 With July 1986 as the base for
present worth determinations the sums of annual present worth factorsfor Unit and for the station are as follows

Evaulatjon Uniform Series
Period Present Worth Factor

Unit 35 years 8.1755
Units and 36 Years 8.1924

Escalation Rates

Equipment costs and labor costs have increased steadily or many yearsand are expected to continue to increase Escalation results from two
principal influences the decreasing value of the dollar due to In
flation and the effect of reduced supply with respect to demand Real
escalation Total escalation can be expressed in terms of its two
components by the following equation

e1 where

total escalation rate decimal

er
real escalation rate decimal

inflation rate decimal

The following terminology Is used in discussing various aspects of
escalation

Escalation RateThe total escalation rate sometimes called apparentescalation rate that includes both inflation and real escalation

Inflation RateThe annual rate of increase in the general price level
of all goods and services which results in decreased value of the dollar
over time Government indices used to quantify inflation are the Gross
National Product GNP implicit price deflator and the Producer Price
Index formerly the Wholesale Price Index

Real Escalation RateThe annual rate of increase in the price of
particular product or service Independent of inflation Factors that
cause real escalation include resource depletion reduced productivityincreased demand and increased government regulation

IPP05l883
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TABII 41.0100-1 12.0 PER CEWT COMPOUW 1TERST FACTORS

Sn81s 1avent Uniform Series
Present Sinking Capital reseni
Vorth Fund Recovery

Comiound
worthCoiepound

Factor Factor Factor
0%mt

FactorYear Amount

__________
Factor

Startjn1 Factor
-I

jy .fl l1 .I
1986 1.1200 .8929 1.0000 1.1200 1..0000 .8929

1987 1.2544 .7972 .4717 .5917 2.1200 1.6901

1988 1.4049 .7118 .2963 .1.163 3.3744 2.4018

1989 1.5735 .6335 .2092 .3292 4.7793 3.0373

1990 1.7623 .5674 .1574 .2774 6.3528 3.6048

1991 1.9738 .5066 .1232 .2432 8.1132 4.1114

1992 2.2107 .4523 .0991 .2191 10.0890 4.5638

1993 26760 .4039 .0813 .2013 12.2997 4.9676
1991 2.7731 .3606 .0677 .1877 14.7757 5.3282

10 1995 3.1058 .3220 .0570 .1770 17.5487 5.6502

11 1996 3.4786 .2875 .0484 .1684 20.6546 5.9377

12 1997 3.8960 .2567 .0414 .1614 24.1331 6.1944

13 1998 4.3635 .2292 .0357 .1357 28.0291 6.4233

14 1999 4.8871 .2046 .0309 .1509 32.3926 6.6282

15 2000 5.4736 .1827 ..0268 .1468 37.2797 6.8109
16 2001 6.1303 .1633 .0234 .1434 42.7533 6.9740

17 2002 6.8660 .1656 .0205 .1405 48.8837 7.1196

18 2003 7.6900 .1300 .0179 .1379 55.7497 7.2497

19 2004 8.6128 .1161 .0158 .1358 63.4397 7.3638

20 2005 9.61.63 .1037 .0139 .1339 72.0524 7.4694

21 2006 10.8038 .0926 .0122 .1322 fl.6987 7.5620

22 2007 12.1003 .0826 .0108 .1308 92.5026 7.6446

23 2008 13.3523 .0738 .0096 .1296 106.6029 7.7184

24 2009 15.1786 .0659 .0083 .1285 118.1552 7.7843

25 2010 17.0001 .0388 .0075 .1275 133.3339 7.8431

26 2011 19.0401 .0523 .0067 .1267 150.3339 7.8957

2012 21.3249 .0469 .0059 .1259 169.3740 7.9426

28 2013 23.8839 .0419 .0052 .1252 190.6989 7.9844

29 2011 26.7499 .0373 .0047 .1247 214.5828 8.0218

30 2015 29.9599 .0334 .0041 .1241 21.3327 8.0352

31 2016 33.5551 .0298 .0037 .1237 271.2926 8.0850

32 2017 37.5817 .0266 .0033 .1233 304.8477 8.1116

33 2018 42.0915 .0238 .0029 .1229 342.4294 8.1354

34 2019 47.1425 .0212 .0026 .1226 384.5210 8.1566

35 2020 52.7996 .0189 .0023 .1223 431.6633 8.1755

36 2022 59.2356 .0169 .0021 .1221 484.1.631 8.1924

37 2022 66.2318 .0151 .0018 .1218 543.5987 8.2Q75

38 2023 74.1797 .0135 .0016 .1216 609.8305 8.2210

39 2024 83.0812 .0120 .0015 .1215 686.0102 8.2330

40 2025 93.0510 .0107 .0013 .1213 767.0914 8.2438

Interest rate per interest period

nwsber of interest periods
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Actual DollarsThe expected cost with the effect of inflation included
sometimes called current dollars It reflects the actual outofpocket
cost that one would expect to pay for the goods or services being
considered in particular year

Real DollarsThe expected cost with the effect of inflation removed
sometimes called constant dollars These dollar amounts should be
expressed in terms of certain year for example in 1986 dollars

Calculations of escalated costs are usually made by annual compounding
Sotnetl.mes it is necessary to escalate costs on monthly rather than
an annual basis The monthly escalation rate is computed by the following
formula

em eu/12 where

em monthly escalation rate decimal

annual escalation rate decimal

For large projects such as power plants it is usually assumed for simpli
city that the entire cost of the project is spent as lump sum at the
centerofgravity of the project cash flow for each unit which Is usuallynear the midpoint of the units construction period Typically for large
coalfired power plants the construction period is normally assumed to be
approximately four years so escalation for such plants is computed up to
two years before the scheduled date for commercial operation which is the
midpoint of the construction period

The anticipated Intermountain Generating Station escalation rate for
equipment and materials are as follows

Escalation Rate

Compounded Compounded
Item Period Yearly Monthly

per cent per cent

1/1/83 to 12/31/89 8.3 0.6667
1/1/90 and thereafter 7.0 0.5654

In most cases escalated direct capital costs of equipment and materials
will be the costs anticipated to be in effect two years before commercial
operation which is considered to be the centerofgravity of the project
cash flow for each unit For example direct capital costs for Unit
will be determined as of July 1984

Indirect Costs

Capital cost estimates for power plants include an item for indirect
costs which is usually calculated as percentage of escalated direct
costs The direct costs consist of total costs for each contract
Contract costs comprise costs for procurement of equipment and materials
installation and general construction

IPP051883
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Indirect costs include expenses for engineering services field construction
management services and Owner costs

Indirect capital costs for the Intermountain Generating Station are 14
per cent of direct capital costs Indirect capital costs include engineering
construction management and Owner legal administrative and overhead
costs

Allowance for Funds Used During Construction AFUDC

The interest paid on money spent to construct power plant is called
Allowance for Funds Used During Construction it is usually abbreviated
AFUDC

AFUDC is calculated for payments made during the time from the start of
the project until the commercial operation date and Is listed as
separate cost account in the total capital cost of the plant

AFUDC is calculated by the following method which is used when information
on payment and delivery dates is not available Assume that all payments
are made in lump sum at the centerofgravity of the project cash flow
for each unit and calculate the interest from the centerofgravity of the
project cash flow until the date of commercial operation This method is
normally used in cost estimates for systems analyses and it is also used
for preliminary total plant cost estimates

An allowance for funds used during construction is applied to the direct
capital cost of equipment and materials after adjustments for indirect
costs and escalation For the Intermountain Generation Station the AFUDC
rate starting in 1983 and thereafter is 12.0 per cent compounded annually
Typically the AFUDC rate is applied for the twoyear period from the
centerofgravity of the project cash flow for each unit to the units
date of commercial operation

Capital Equivalent Cost Method

This method Is used to compare alternative plans on the basis of total
capital equivalent cost The differential operating costs for 20 years
of operation are expressed as capital equivalent operating costs and are
added to the capital cost to obtain total capital equivalent cost

The capital equivalent operating costs are determined by dividing the
levelized operating costs by the levelized annual fixed charge rate
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General Economic Criteria

Levellzed Annual Fixed Charge Rate

The levelized annual fixed charge rate based on generating unit life
of 35 years and zero net salvage value is 13.19 per cent

Incremental Demand Cost

The incremental demand cost to be used in comparing alternative design
concepts is $600 per kilowatt The levelized annual demand charge is
$79.14 per kilowattyear $600 0.1319

Load Model

The singleunit load model used for economic evaluations is presented
as Table 41.01002 Total life of each unit is 306600 hours 35 years
during which it will operate 250755 hours and be inactive 55845 hours

Energy Costs

The 20 year cumulative present worth of energy costs is 500.76 mills/kwh

Ammonia Costs

The July1983 cost of ammonia is 250 dollars per ton

Catalyst Costs

Catalyst costs for the Selective Catalytic Reduction system was assumed
to be 125000 $/ton in July 1983 dollars
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TAIIL 41.0100-2 r.FRATINa 1111 tOAD HOOtI

Year

UnIt 1962000 20012003 20062010 20112015 20162020

Unit 19172001 2002200 20012011 20122016 20172021

UnIt .4e yeari IIS 1620 2125 2630 3133

OutuL juL OrERAYTNO TIHE--I10UR5 PER YEAR PER UNIT
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100 5.414 5236 430 3301 2626

iS bIS 1732 1472 1314 1156 1732

30 41i 71 153 2.3 1752

Ilnurs ol Operation 7446 7446 1227 7001 6132

iiora Isctivr 1314 1314 1533 1132 2621

Aui1s1

Eaclor $.er cent 0.0 76.1 70.0 63.3 53.0
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1.iIe Operating

per rent 94.1 90.2 84.1 79.1 71.6

hulL Lilt 1$ yr Capicily

Factor per cent 72.1

Unit LIfe 33 yr Avg load

.lsl Op.raI Iuit urr cdii 7.9

Interval begIn July .1 thu .t.Lel year and end Juni 30 .1 thu following lear
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APPENDIX

SAMPLE CALCULATION TO ILLUSTRATE EFFECT OF FURTHER
NO EMISSIONS REDUCTION ON PROJECT COSTS
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